UNITED STATES OF AMERICA
FEDERAL ENERGY REGULATORY COMMISSION
Climate Change, Extreme Weather,
and Electric System Reliability

)
)

Docket No. AD21-13-000

COMMENTS OF NATURAL RESOURCES DEFENSE COUNCIL, SIERRA CLUB,
SUSTAINABLE FERC PROJECT, AND UNION OF CONCERNED SCIENTISTS
Pursuant to the Federal Energy Regulatory Commission’s (Commission) August 11, 2021
Notice Inviting Post-Technical Conference Comments (Notice),1 the Public Interest
Organizations (PIOs)2 hereby submit the below comments.
I.

INTRODUCTION
We greatly appreciate the Commission’s actions on this critical issue by holding the June

technical conference and inviting post-technical conference comments. The importance of such
actions was recognized by a Government Accountability Office (GAO) finding in March that
“FERC has not identified and assessed risks posed to the grid by climate change or planned a
response,”3 and that this technical conference “might pose opportunities to identify and assess
risks pose to the grid by climate change.” 4

1

Notice Inviting Post-Technical Conference Inviting Comments, Docket No. AD21-13 (Aug. 11, 2021).

2

Natural Resources Defense Council, Sierra Club, Sustainable FERC Project, and Union of Concerned
Scientists.
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US Government Accountability Office, Electricity Grid Resilience: Climate Change Is Expected to
Have Far-reaching Effects and DOE and FERC Should Take Actions at 20 (March 2021), available at
https://www.epw.senate.gov/public/_cache/files/3/4/34c92d5c-373c-41cf-b33d77546c747c36/C1287CE4AD0183E22111F1CFF1D734C5.gao-report-electricity-grid-resilience.pdf.
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US Government Accountability Office, Status of Recommendations for Executive Action, available at
https://www.gao.gov/products/gao-21-346.

The PIOs also urge the Commission to recognize that not all parties have an equal ability
to participate in this and other Commission proceedings. As noted in the Commission’s report on
the Office of Public Participation (OPP), several commenters “asserted that the long-term,
complex nature of many Commission proceedings and financial barriers make public
participation at the Commission difficult and that OPP must better equip people to participate.
Many commenters also asserted that more meaningful participation from a diverse range of
stakeholders would strengthen Commission decisions.”5 The PIOs recommend that the
Commission consider comments that are relevant to the questions raised in this Notice but are
made in other Administrative Dockets and Rulemakings, including but not limited to the
Advanced Notice of Proposed Rulemaking addressing transmission planning, cost allocation and
generator interconnection (“Transmission ANOPR”),6 and the technical conferences on Resource
Adequacy in the Evolving Electricity Sector, Electrification and Grid of the Future, and
Reliability.7
Below are the responses to each of questions posed in the Notice (with the exception of
Question 5). We first emphasize the point made in the PIO April 15 Comments in this docket8
that it is essential that the electricity sector not only address the threats of extreme weather
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Federal Energy Regulatory Commission, The Office of Public Participation at 16 (June 24, 2021),
available at https://ferc.gov/media/ferc-report-office-public-participation. Comments include both written
comments and speaker comments at the April 16 workshop or one of the listening sessions.
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Federal Energy Regulatory Commission, Building for the Future Through Electric Regional
Transmission Planning and Cost Allocation and Generator Interconnection, Advanced Notice of
Proposed Rulemaking, Docket No. RM21-17-00 (July 2021).
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Docket Nos. AD21-10-000, AD21-12-000, and AD21-11-000.
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Comments of 350 New Orleans, Climate + Energy Project, Natural Resources Defense Council, Rocky
Mountain Institute, Sierra Club, Sustainable FERC Project and Union of Concerned Scientists, Climate
Change, Extreme Weather, and Electric System Reliability, Docket No. AD21-13-000 (Apr. 15, 2021)
(“PIO April 15 Comments”).
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events, but also continue to decarbonize to reduce the probability of climate change-related
weather patterns.9
II.

RESPONSES TO QUESTIONS

1.

Multiple panelists at the technical conference suggested that utilities and other
industry participants should engage in an assessment of climate change risks to their
systems. Should public utilities be required to engage in either a one-time assessment
or periodic assessments of climate change risks to their assets and/or on how their
system is expected to perform under expected climate change driven scenarios? If so,
should such requirements be incorporated into jurisdictional local transmission
planning and/or regional transmission planning/cost allocation process tariff
provisions? Similarly, should such requirements be incorporated into FERCjurisdictional resource adequacy tariff provisions? (Footnote omitted.)
The PIOs strongly agree that periodic assessments of climate change risks, both over

short- and longer-term horizons, will be essential to ensuring reliability, while continuing the
transition to a decarbonized generation fleet. Such analyses should be performed by the
jurisdictional utilities and the RTO/ISOs. As discussed in Question 2 in these comments,
assessments of climate change risk need to be probabilistic and cannot rely uncritically on
historical data.10 Furthermore, such assessments should be periodic to ensure that these
probabilistic assessments are continually revised with new data regarding weather conditions,
possible system impacts, and other risk factors.
Climate change risks addressed in such assessments would include the impacts of
ambient air and water temperatures, precipitation patterns, and other variables on peak,
geographic and temporal patterns of electricity demand, and on the performance of different
resources. A scenario analysis can be used to determine strategies to address the more extreme
See, e.g., the statement of Romany Webb at the technical conference that “entities really should not be
responding to the risks posed by climate change by engaging in activities that themselves contribute to
climate change.” June 1 Tr. at 95.
9
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See PIO April 15 Comments at 4; June 1 Tr. at 29, 30 (Chang), 33 (Des Roches), 127 (Hartman), 187
(Tabors).
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and uncertain future risks.11 Such an analysis of various potential scenarios can be used to
identify lower-cost steps that can directly protect communities, and in particular vulnerable
customers and societally critical needs (i.e., health care), such as through distributed resources
and energy efficiency improvements.12 Therefore, the assessment should be accompanied by
efforts to identify those communities that – either due to geographic location or historical underinvestment – are most vulnerable to climate impacts. 13 To avoid disproportionate harm to one
group of customers, utilities should develop plans for sectionalizing the grid to allow for rotating
outages as well as to prevent outages to areas with critical facilities and more vulnerable
communities. For example, outages could be implemented first for interruptible customers who
receive compensation for curtailment, followed by a share of large commercial and industrial
customers before residential customers. 14
Examples of such studies include the New York ISO’s 2020 Phase II of its Climate
Change Impact and Resilience Study, which includes an assessment of the impacts on both load
and resource availability from climate change. 15 Similarly, the Northwest Power and
Conservation Council includes in its draft 2021 Northwest Power Plan projections of future
temperature and precipitation and the resulting impacts on demand for electricity and
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See PIO April 15 Comments at 9; June 1 Tr. at 47-48 (Des Roches), 79-80 (Stenclik), 84 (Chang), 109
(Curry), 116 (Silverstein).
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See PIO April 15 Comments at 9, 17.
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Id. at 16.
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Prepared Remarks of Alison Silverstein, Alison Silverstein Consulting, Docket AD21-13-000 at 8 (June
1, 2021).
Analysis Group, Climate Change Impact and Resilience Study – Phase II, prepared for the New York
Independent System Operator (September 2020), available at
https://www.nyiso.com/documents/20142/16884550/NYISO-Climate-Impact-Study-Phase-2Report.pdf/e9214fd4-9c52-036d-b92b-15f282e686e6.
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hydropower availability. The Council notes that such projections “are a better predictor of future
conditions than assuming a repeat of observed historical conditions (which were used for past
assessments).”16
Effective scenario planning cannot be purely FERC jurisdictional but must be done in
close coordination with retail regulators and other state and local authorities. These bodies are
best informed about the types of emergencies of greatest concern, the characteristics of local
electricity usage, capacity for economic and emergency load sheds, the ability to manage
involuntary load sheds, the robustness of vital public services to loss of power and a host of other
factors. We encourage the Commission to develop a scenario planning framework that is at least
as much a bottom-up approach driven by local needs and vulnerabilities as a top-down one
focused on the characteristics of the wholesale power system. For example, the Commission can
work with state and local officials who participate in energy assurance planning that involves
multiple stakeholders in planning for recovery following disruptions in energy supply and who
also will need to work to reduce the risks to critical energy infrastructure. 17
We recognize the concerns raised about equal access to resources and data, 18 and the
points made about the importance of using consistent data19 at the technical conference. The PIO
April 15 comments noted the “need for ongoing, verified and consistent coincident modeling sets
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Northwest Power and Conservation Council (NWPCC), The 2021 Northwest Power Plan for a Secure
& Affordable Energy Future, Draft Plan, Council Document 2021-5 at 4-24 (September 2021), available
at https://www.nwcouncil.org/sites/default/files/2021powerplan_2021-5.pdf. As noted in the PIO April 15
Comments, the NWPCC has explicitly attempted to incorporate climate impacts into its regional power
plans, in part driven by the region’s reliance on hydropower.
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See PIO April 15 Comments at 10; National Association of State Energy Officials, Energy Assurance
Planning, at https://www.naseo.org/energyassurance.
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See June 1 Tr. at 54
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Id. at 67-68 (Stenclik) 85 (Chang), 187 (Tabors).
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for all core weather variables that impact the electric system,” which “include wind (across the
rotor plane), insolation (direct and diffuse), temperature at the surface and several levels across
the rotor plane, pressure, precipitation, soil moisture, and humidity, at a minimum.” 20
It would therefore be useful for FERC to work with the Department of Energy (DOE)
and National Oceanic and Atmospheric Administration (NOAA) to ensure that climate change
scenarios and tools are available to utilities, state agencies, RTOs/ISOs and other stakeholders,
including non-profit public interest organizations, with an interest in or responsibility to plan for
these climate change risks.
The value of these assessments can be greatly enhanced through their incorporation into
RTO/ISO and non-RTO/ISO transmission planning and cost allocation tariff provisions, as well
as the RTO/ISO tariffs covering resource adequacy requirements and procurement. But inclusion
of these future risks into resource adequacy requirements, capacity valuation and capacity market
rules should not undermine continued decarbonization to minimize the severity of these risks,
including the accommodation of state clean energy and decarbonization policies. The adverse
and correlated impacts of extreme weather on thermal resources’ performance must also be
recognized to avoid biasing resource adequacy rules against renewable and storage resources. 21
It is also essential that transmission planning fully incorporate future projections of
climate change and resources developed to mitigate climate change risks, as is discussed in
greater detail in response to Question 6.
2.

20

Several panelists at the technical conference suggested that greater use of probabilistic
approaches could provide a more robust approach to accounting for extreme weather.
Would incorporating probabilistic methods into local transmission planning and/or
See PIO April 15 Comments at 14 and footnote 20.
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See, e.g., Valuation of Thermal Resources and Phase II Capacity Market Reforms, Letter to PJM Board
of Managers (September 14, 2021), available at: https://pjm.com/-/media/about-pjm/who-we-are/publicdisclosures/20210914-pjm-board-letter-thermal-capacity-generation.ashx.
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regional transmission planning/cost allocation processes allow public utility
transmission providers to more effectively assess low probability/high impact events
and common mode failures? If so, should such practices be incorporated into public
utility transmission providers’ local transmission planning and/or regional
transmission planning/cost allocation processes? What, if any, jurisdictional tariff
changes would be necessary to incorporate these practices into existing transmission
planning and cost allocation processes? Similarly, should such practices be
incorporated into any resource adequacy assessments carried out under FERCjurisdictional tariff provisions? (Footnotes omitted.)
Probabilistic approaches have the potential to improve the effectiveness of transmission
planning processes in assessing low probability/high impact events. As compared to
deterministic planning where the system is built to withstand a handful of contingencies that are
assumed to occur, probabilistic approaches enable the consideration of a wider range of cases
that cover more uncertainties relating to weather extremes, load variability, correlated outages
among generators, among other factors. Probabilistic approaches also, as the name indicates,
involve consideration of the probability that each of these cases would occur, which is then
factored into a risk assessment alongside the impacts of each case.22
Knowing the probability of different risks is crucial to determining how much utilities
can and should be willing to spend to abate or eliminate those risks. However, the absence of
comprehensive, reliable data about the probabilities of the various contingencies that drive

22

See Electric Power Research Institute (EPRI), A Study on Probabilistic Risk Assessment for
Transmission and Other Resource Planning at 1–4 (Jan. 2015),
https://pubs.naruc.org/pub.cfm?id=536DCE1C-2354-D714-5175-E568355752DD (“System reliability
analysis is at present performed using deterministic approaches in order to comply with the NERC TPL
standards. Deterministic analysis of system reliability is evaluated by first identifying the expected and
most limiting load/generation dispatch and associated system power flows for which the system must
operate based on the production cost simulations. Once a given generation dispatch is determined, the
reliability of the system is evaluated by simulating the ability of the system to operate within specific
thermal and voltage limits for the normal system state, all N-1 contingencies of generators and
transmission components, and other credible higher order contingencies. This deterministic N-1 criterion
does not inherently consider the probability of a given contingency or the severity of the contingency, nor
is the impact considered of potential variability of other system components such as load that can affect
reliability.”).
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existing utility planning obscure the level of risk that customers are already paying to avoid. As
the risks to the system increase, it will be critical for utilities to use appropriate tools to
determine both the probability and impact of different cases so that regulators can make more
informed decisions about how much consumers should be required to pay to avoid certain
risks.23 Probabilistic approaches also address a shortcoming with deterministic methods, in that
deterministic methods “do[] not provide a measure of reliability or relative trade-off between
equally effective reinforcements. If several similar system expansion plans can alleviate
contingency system problems, it is not immediately evident as to which alternative assures
greatest reliability or benefit.”24
Several system operators have begun using and testing probabilistic transmission
planning tools over the last decade, usually as a supplement to the deterministic models that align
with current North American Electric Reliability Corporation (NERC) standards.25 We support
further movement in this direction, as it has the potential to create a transmission system that is
more robust in the face of increasingly extreme weather conditions and best optimizes the
contributions of the changing resource mix. Similar questions have been presented in the
Transmission ANOPR, and we anticipate addressing this question in greater depth in those
comments.
Probabilistic approaches are also important to improving resource adequacy

23

This information could also empower consumers to make better-informed decisions about actions they
might take to avoid outages, such as installing onsite energy storage systems, or opting to pay for higher
or lower levels of firm service if that option is available.
24

EPRI at 1–4 (Jan. 2015).
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See, e.g., NERC Probabilistic Assessment Working Group, Agenda (2019) at
https://www.nerc.com/comm/PC/PAWG%20DL/Probabilistic_Analysis_Forum_Speaker_Bios_Decembe
r%20_11_13.pdf (providing presentation abstracts summarizing RTO/ISO and academic efforts to
explore and develop probabilistic planning techniques).
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assessments.26 One aspect of this is accrediting the capacity provided by each resource on the
system. The Commission recently approved PJM’s proposal to begin assessing the capacity
value of energy storage and renewable energy resources using effective load carrying capability
(“ELCC”) models that simulate the system under different load and resource conditions to
determine the reliability contributions of these resources.27 Other RTO/ISOs are also exploring
the use of ELCC methods for assessing the capacity value of variable and energy-limited
resources.28 Unfortunately, a gap in this evolution is the treatment of resources that generate
electricity using coal, gas, nuclear material, and oil, referred to here as “thermal” resources. The
capacity value of these resources continues to be determined in large part based on a forcedoutage rate metric that represents an average of those resources’ performance during very
different operating conditions. Thermal units have different forced outage rates in extreme
temperatures,29 and can have their own vulnerability to outages based on insufficient or
excessively warm cooling water, flooding, and other extreme weather circumstances. 30 In some

26

See response to Question 9 below for a further discussion of this topic.

27

See PJM Interconnection, LLC, 176 FERC ¶ 61,056 (July 30, 2021).

28

See, e.g., NYISO, Capacity Accreditation (Aug. 30, 2021), available at
https://www.nyiso.com/documents/20142/24130223/20210830%20NYISO%20%20Capacity%20Accreditation_v10%20(002).pdf/b12b55d4-7aa9-644a-d803-05ae8df1877c; Vamsi
Chadalavada, ISO New England’s 2021 Annual Work Plan at slide 10 (Oct. 5, 2020), at
https://www.iso-ne.com/static-assets/documents/2020/10/2021_awp_final_10_05_20.pdf.
29

See, e.g., S. Murphy et al., A Time-Dependent Model of Generator Failures and Recoveries Captures
Correlated Events and Quantifies Temperature Dependencies, Applied Energy, Vol. 253:1 (Jul. 2019),
available at https://doi.org/10.1016/j.apenergy.2019.113513 (finding significant temperature
dependencies in all generator types, most significantly among gas and diesel generators at lower
temperatures). This paper goes on to suggest that “[r]ather than use a generator’s unconditional forced
outage rate to determine capacity payments, thereby penalizing the generator for its average
unavailability, the grid planner could calculate a conditional forced outage rate during relevant extreme
weather conditions that represent increased resource adequacy risk.”
30

See, e.g., James McCall, Jordan Macknick, and Daniel Hillman National Renewable Energy
Laboratory, National Renewable Energy Laboratory, Water-Related Power Plant Curtailments: An
Overview of Incidents and Contributing Factors (Dec. 2016), at
https://www.nrel.gov/docs/fy17osti/67084.pdf; Ethan D Coffel & Justin S Mankin, Thermal power
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regions, there are also concerns about correlated outages among thermal units due to fuel
availability that are not adequately captured by existing resource adequacy assessments. 31 The
selective application of probabilistic methodologies like ELCC to only a subset of system
resources is unsustainable given the increasing frequency of extreme weather events as well as
increased variability in load. As explained in a recent paper from Energy and Environmental
Economics, Inc.: “The more broadly the construct of ELCC is applied across resources within a
resource adequacy program, the more adequately prepared that program will be to accurately
capture the effects of future portfolio changes, and the more level a playing field it will create for
all resources that can contribute to resource adequacy needs.” 32
One example of a decision based on a deterministic approach that would have benefitted
from a more probabilistic technique is ISO-NE’s soon-to-sunset tariff provisions allowing the
retention of generation resources supported by “reliability-must-run” payments if their
deactivation would result in load shedding during specified contingencies related to fuel
security.33 The model ISO-NE employed to determine whether to retain these resources was
deterministic—it assumed that certain contingencies would simultaneously occur (such as
failures of pipelines or LNG import facilities), rather than examining the probability that they

generation is disadvantaged in a warming world, 2021 Environ. Res. Lett. 16 024043, available at
https://iopscience.iop.org/article/10.1088/1748-9326/abd4a8/pdf (describing challenges with air- and
water-cooling thermal plants).
31

See FERC-NERC Joint Staff Presentation: 2021 Cold Weather Grid Operations: Preliminary Findings
and Recommendations at Slide 9-10 (September 23, 2021), available at https://ferc.gov/february-2021cold-weather-grid-operations-preliminary-findings-and-recommendations.
32

N. Schlag, Z. Ming, A. Olson, L. Alagappan, B. Carron, K. Steinberger, and H. Jiang, Energy and
Environmental Economics, Inc., Capacity and Reliability Planning in the Era of Decarbonization:
Practical Application of Effective Load Carrying Capability in Resource Adequacy at 6 (Aug. 2020),
available at https://www.ethree.com/elcc-resource-adequacy/.
33

ISO New England, Inc., 165 FERC ¶ 61,202 (Dec. 3, 2018).
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will incur and that the resource in question will actually be needed to support energy adequacy in
such circumstances. 34 While the Commission decided in the case of this particular tariff that the
deterministic approach was acceptable, 35 it should set clear expectations for utilities that it will
require probabilistic analyses in the future where rates are proposed to address specific
contingencies. The Commission cannot properly decide whether such rates are just and
reasonable without some sense of the likelihood of the contingencies and the corresponding
extent and impact of the load shed. 36 Requiring probabilistic analysis does not mean that utilities
and the Commission could not choose to require consumers to pay to avoid very low
probability/high impact events, but it would make the Commission’s choice to do so far better
informed.
This question focuses on changes that could be made to FERC-jurisdictional tariffs to
better incorporate probabilistic methods into resource adequacy assessments. However, many
components of the assessments undertaken by RTO/ISOs are contained in business practice
manuals rather than Commission-approved tariffs. For example, PJM’s Reserve Requirement
Study, which determines the region’s Forecast Pool Requirement (and therefore the amount of
capacity the capacity market will aim to procure) based on generator forced outage rates and
uncertainty in the load forecast, is conducted according to procedures set out in PJM Manual

ISO New England, Inc., 164 FERC ¶ 61,003 at P 26 (July 2, 2018) (describing protestors’ concerns
regarding the deterministic Operational Fuel Security Analysis).
34

35

See id. at P 50 (approving ISO-NE’s use of a deterministic analysis for fuel security purposes).

36

See, e.g., Zevin, A. Regulating the Energy Transition: FERC and Cost-Benefit Analysis, Columbia
Journal of Environmental Law, 45(2) at 483 (2020), available at https://doi.org/10.7916/cjel.v45i2.6159
(“To the extent an RTO or FERC acts to enhance system resilience it should use quantitative tools in
order to estimate the costs and benefits of market rule changes aimed at enhancing resilience.
Probabilistic models of extreme events, combined with the production cost and capacity expansion
models outlined above can be used to estimate the extent to which resilience focused market rule changes
will reduce the expected number of hours of customer outages.”).
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20.37 While this analysis strongly affects matters within FERC’s jurisdiction, it is not specified in
PJM’s tariff. Without taking a position as to whether any particular analysis should be specified
in an RTO/ISO or other utility’s tariff, 38 we simply note that the question’s suggested focus on
tariffs may be too narrow to capture the broad range of analysis that utilities conduct on resource
adequacy.
3.

At the technical conference, panelists noted the importance of coordinating transfers
across the seams between Regional Transmission Organizations/Independent System
Operators (RTOs/ISOs) and non-RTO/ISO areas to both reduce costs and improve the
resilience of the transmission grid during extreme weather events. How do RTO/ISO
and non-RTO/ISO transmission providers manage congestion at system seams? What
are the benefits and drawbacks of the current management regime, from the
perspectives of cost, resource participation, and ability to maximize reliability and other
benefits of transmission service? Can more cost-effective congestion management at
the border between RTOs/ISOs and neighboring non-RTO/ISO transmission providers
be facilitated through new pro forma Open Access Transmission Tariff (OATT)
provisions? If so, how could the pro forma OATT be modified to achieve this
enhanced coordination? For example, could existing pro forma OATT section 33.2
(Transmission Constraints), which permits a transmission provider to use redispatch to
maintain reliability during transmission constraints, be modified to enhance
coordination with a neighboring RTO/ISO during such redispatch? Are there any
other potential modifications to the pro forma OATT that might facilitate cost-effective
congestion management at the border between RTOs/ISOs and neighboring nonRTO/ISO transmission providers? If so, please describe them in as much detail as
possible. If such modifications were made to the pro forma OATT, could they also help
improve coordination between RTOs/ISOs and non-jurisdictional entities through their
inclusion in the reciprocity tariffs that are voluntarily filed by some non-jurisdictional
entities? What challenges would any such modifications need to address? (Footnote
omitted.)

37

PJM, 2020 PJM Reserve Requirement Study (Oct. 6, 2020), available at https://www.pjm.com//media/planning/res-adeq/2020-pjm-reserve-requirement-study.ashx (“This study is conducted each year
in accordance with PJM Manual 20 (M-20), PJM Resource Adequacy Analysis. M-20 focuses on the
process and procedure for establishing the resource adequacy (capacity) required to reliably serve
customer load in the PJM RTO.”).
The Commission’s “rule of reason” determines what elements should be included in filed tariff
language, versus what can be contained in business practice manuals. For example, in 2020, the
Commission determined that PJM’s former rule requiring energy storage capacity value to be determined
based on the discharge rate over 10 hours affected FERC-jurisdictional rates, and could not be contained
only in a manual. See PJM Interconnection, L.L.C., 169 FERC ¶ 61049 at P 140 (2019) (agreeing with
commenters that “PJM's rules and procedures regarding minimum run-time requirements for every
resource type, which currently are included only in PJM's Manual, must be included in the PJM Tariff.”).
38
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The PIOs support improving the coordination of exports and imports between
RTOs/ISOs and non-RTO/ISO regions, which will benefit not only system resilience but will
provide greater balancing of the geographic diversity of renewable resources. As MISO noted in
its pre-technical conference comments, “improvements in seams coordination will help leverage
the inter-regional diversity of load and supply generation.” 39 Further, David Patton observed that
improving such coordination between RTOs/ISOs and non-RTO/ISO regions will likely require
FERC mandating standards for joint agreements.40
We agree that stricter standards may be required to improve not just the coordination
across these seams but also to require inter-regional planning that includes RTO/ISO regions and
non-RTO/ISO regions. Non-RTO/ISO regions have less robust and transparent planning
processes,41 which makes the need for stronger requirements for coordination and planning even
more essential.
4.

RTOs/ISOs currently have differing levels of authority to approve or recall outages.
Can generation and transmission outage scheduling practices be improved? For
example, should RTOs/ISOs have greater authority to deny generation and
transmission outage requests, such as having the ability to deny such a request based
on estimated economic impact, as ISO New England currently has? Similarly, should
transmission owners be given an incentive to schedule transmission outages more
efficiently by making transmission owners responsible for uplift they cause from
outages, as the New York Independent System Operator currently does? Would such
changes help system operators better prepare for or respond to extreme weather
events? (Footnote omitted.)

39

Comments of the Midcontinent Independent System Operator, Inc., Docket No. AD21-13 at 10 (April
15, 2021).
40

June 2 Tr. at 67.

See, e.g., Rob Gramlich and Jay Caspary, Planning for the Future: FERC’s Opportunity to Spur More
Cost-Effective Transmission Infrastructure at 98, prepared for Americans for a Clean Electric Grid
(January 2021), available at https://cleanenergygrid.org/wp-content/uploads/2021/01/ACEG_Planningfor-the-Future1.pdf.
41
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As existing systems are challenged by climate impacts, there are certainly good reasons
to ensure RTOs/ISOs have sufficient authority to deny non-critical generation outage requests, in
particular during certain high-risk seasons. The panelists who spoke to this issue at the June
technical conference highlighted that this authority does exist to some degree, but the basis for
and extent of that authority varies widely from one RTO/ISO to another, and of course even
more widely in the regions of the country not covered by an RTO/ISO.
For instance, Wesley Yeomans testified that NYISO has “the authority to direct
transmission owners to recall transmission lines” pursuant to an agreement that was executed in
1999, and that as a result of this agreement they “do not allow any long-term transmission
outages in the summer months, or even December and January.” 42 He testified that a similar
process exists on the generation side.43 Similarly, David Patton indicated that ISO-NE has “a
pretty good tariff authority to coordinate outages” where economic constraints first arise, and at
MISO, Renuka Chatterjee described a process where they can reschedule transmission outages
and cancel generation outages. 44 Meanwhile, PJM has an elevated reserve target in the winter
that they then use to “coordinate generator maintenance scheduling,” 45 although it is not binding.
But as Dr. Patton pointed out, the strength and usefulness of that authority depends on what
constraints are placed on the RTO/ISO to use it: MISO’s authority for instance is limited to
situations where MISO can demonstrate an actual reliability concern, which as Dr. Patton
pointed out can cause problems because “by the time [a] reliability issue happens you’re

42

June 2 Tr. at 21-22.

43

Id. at 23.

44

Id. at 30.

45

PJM, 2020 PJM Reserve Requirement Study at 44-45 (Oct. 6, 2020).
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[already] scrambling.”46
Thus, examples do exist of RTOs/ISOs having the tools they need to coordinate outages.
FERC should also be clear that the authority to deny proposed outages should be based on
economic factors because as was noted during the technical conference, “things that raise
economic costs during normal conditions raise reliability issues during more extreme
conditions”47 —and the fundamental lesson of recent climate disruptions is that extreme
conditions can arise quickly and unpredictably.
Another lesson from the June technical conference is that effective coordination of
scheduled maintenance will often require authority that goes beyond the summer and winter peak
months. This is for two main reasons. First, there is no guarantee that the most profound climate
disruption will in fact happen during the traditional peak seasons. Major flooding and storm
events that disrupt both transmission and generation can occur any time of year—or, like the
hurricane season in the Southeast, can occur during off-peak months. In addition, both
“summerlike” and “winterlike” days are already straining existing systems and “putting pressure
on the [traditional] maintenance seasons” in the shoulder months. 48 And second, in large part
because generation providers have an incentive to operate during peak energy price periods, “all
traditional generation tends to take [its] maintenance outages at the same time[,] which is either
in the spring or in the fall when there’s less opportunity for a pricing event.” 49 As a result,
multiple speakers noted that, perhaps counterintuitively, most of their emergency generation
needs have actually occurred during the spring and fall.
46

Id. at 24, 30-31.

47

June 2 Tr. at 67.

48

Id. at 24.

49

Id. at 25.
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As for what this authority should look like, one option would be for the Commission to
reform the maintenance planning process entirely such that RTOs/ISOs would ask both
generation and transmission assets to provide a broad maintenance timeline, and then coordinate
those requests more explicitly up-front, rather than having to make up-down determinations on a
series of specific requests, sometimes when the grid is already stressed.
Finally, the Commission should consider giving RTOs/ISOs the tools they need to factor
all outages, whether planned or unplanned, into resources’ accreditation. The best way to
accomplish this would be to incorporate all outage data into something approximating PJM’s
ELCC proposal recently approved by the Commission, as discussed in response to Question 2,
but instead applied to all resources. The justification for this is simple: any generation resource
that records an outage, whether planned or not, necessarily reduces the resilience of the system
during that planned outage. Per the above, many of the biggest emergency events in the past
several years have occurred during peak-month conditions that occurred in the shoulder season,
when a larger portion of the generation capacity was offline. When a generation asset fails to be
available, whether tied to a planned outage or otherwise, this lack of availability should be
reflected in that resource’s future capacity accreditation. Such an accounting would not disrupt
existing practices or otherwise make untenable such resources’ continued operation as long as
the RTOs/ISOs maintain transparency around the ELCC calculations and how planned outages
will be accounted for based on the time of year, generation owners could continue to schedule
outages to minimize the financial impact simply by accounting for both anticipated energy prices
and the impact on their capacity accreditation simultaneously.
5.
6.

The PIOs are not responding to Question 5 in these comments.
Panelists at the technical conference suggested that current requirements for system
performance under extreme weather scenarios may need to evolve. Should the
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transmission planning requirements established under North American Electric
Reliability Corporation (NERC) reliability standard TPL-001-4/5 be modified to better
assess and mitigate the risk of extreme weather events and associated common mode
failures? Should any additional changes be considered to the NERC Reliability
Standards to address the risk of extreme weather events? (Footnote omitted.)
Transmission Planning Requirements
This question must be considered within the context of the wider array of needed
transmission planning reforms that will be addressed in the Transmission ANOPR. There are
multiple shortcomings in transmission planning as it is conducted by the RTOs/ISOs and nonRTOs/ISOs, and improving those processes will be a key step towards mitigating climate change
and extreme weather risks. While revising the NERC standard may be one component of those
needed reforms, the scope of such reforms goes beyond just this standard.
The needed reforms to transmission planning go far beyond merely incorporating the
climate assessments and scenarios discussed in response to Question 1; FERC needs to ensure
that such planning actually addresses future system needs, especially the delivery of the rapidly
expanding renewable resources, and not just replacing the current infrastructure. 50 Given the
rapid ongoing effort to continue to decarbonize the electric system, building transmission to meet
anticipated (and public policy-driven) generation development is as critical as building
transmission to ensure reliability; and as such, planning should consider both goals in a holistic
manner. But FERC did not provide strong enough requirements in Order 1000 for the
incorporation of public policy into an assessment of transmission needs. 51
To ensure that transmission planning fully addresses future needs, these planning
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See, e.g., Gramlich and Caspary at 19-22 (2021).
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See, e.g., Burcin Unel, Institute for Policy Integrity, New York University School of Law, A Path
Forward for the Federal Energy Regulatory Commission at 13 (September 2020),
https://policyintegrity.org/publications/detail/a-path-forward-for-the-federal-energy-regulatorycommission; Gramlich and Caspary at 32 (2021).
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processes must require that all projects are comprehensively and meaningfully incorporated into
the regional planning processes, even if they are principally addressing local reliability needs or
replacing facilities at the end of their life. This has not always been the practice: for example, in
2020 PJM’s Board of Directors approved $413 million in baseline transmission investments as
part of its Regional Transmission Expansion Plan (RTEP) process, while the transmission
owners reported $4.7 billion, over 10 times that amount, in “supplemental projects,” which
address local rather than regional needs and do not require Board approval. 52 In both the 2020
MISO Transmission Expansion Planning (MTEP), approved by MISO’s Board of Directors, and
proposed projects in the 2021 Draft MTEP, the majority of the planned transmission expense is
for “other projects,” most of which address local, rather than regional, needs -- either to replace
aging infrastructure or meet local reliability needs (these are not included as a baseline reliability
project because they do not address NERC or regional reliability requirements.) Such projects
accounted for 67 percent of the total transmission expense in the 2020 MTEP and 77 percent in
2021.53 No projects were proposed in the 2020 or 2021 MTEPs to support future anticipated
development or public policy needs.54
To mitigate the potential that severe weather could cause transmission outages, planning
for transmission should also adequately consider non-wires alternatives that can increase grid
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PJM 2020 Regional Transmission Expansion Plan (February 28, 2021) at 4 and 58, available at
https://www.pjm.com/-/media/library/reports-notices/2020-rtep/2020-rtep-book-1.ashx.
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MISO Transmission Expansion Plan (MTEP) 2020 Full Report at 15, available at
https://www.misoenergy.org/planning/planning/previous-mtepreports/#nt=&t=10&p=0&s=FileName&sd=desc; Draft MTEP21, Chapter 1-MTEP Overview at 15,
available at https://cdn.misoenergy.org//Draft%20MTEP21%20Chapter%201%20%20MTEP%20Overview581039.pdf
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Id.
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resilience, including energy efficiency, demand response and storage. 55 Moreover, the PIOs urge
the Commission to determine how to best encourage grid enhancing technologies for
transmission, as examined at the recent Workshop to Discuss Certain Performance-based
Ratemaking Approaches. As noted by Richard Tabors at the technical conference, technologies
that optimize the use of transmission, including Dynamic Line Ratings, “are sitting out there, but
nobody uses them because the incentive structure just isn't there to do it.” 56 Dynamic Line
Ratings are particularly important, as many of the same weather conditions that lead to
emergencies have a significant impact on transmission line capabilities. The Commission should
consider requiring that in planning for extreme weather scenarios, transmission providers use the
best available estimates of transmission capabilities during the modeled weather conditions,
including Dynamic Line Ratings or equivalently robust methods.
As noted earlier, the PIOs recommend that the Commission consider the important role of
transmission in mitigating climate change and extreme weather risks as part of the Transmission
ANOPR.

Other NERC Reliability Standards
Consideration should be given to other NERC reliability standards in light of the
increased severe weather risks, and as noted in response to Question 2, we encourage the
Commission to support further movement toward the incorporation of probabilistic approaches
to such standards.57 To adequately model system reliability during extreme weather, probabilistic
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See, e.g., June 1 Tr. At 167, 170 (Silverstein), and Commissioner Glick at 177 (emphasizing the need
for alternatives, such as energy efficiency, behind the meter generation, demand response, as well as
improved grid efficiencies).
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June 1 Tr. at 138.
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We also encourage the Commission to work with NERC take a more balanced approach to evaluating
the role of both renewable and thermal resources in providing reliability. For example, in the 2021
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approaches must address not only the wholesale electricity system but upstream contingencies
that may impact electricity supply.
7.

Multiple panelists at the conference emphasized the need to establish a requirement for
interregional transmission planning and improve existing interregional cost allocation
methods to prepare for extreme weather events. How can the existing requirement to
have an interregional transmission coordination (not planning) and cost allocation
process be modified to better account for the benefits that interregional transmission
facilities provide during extreme weather events? Would defining a set of uniform
transmission benefit metrics that can be used across regions in the interregional
transmission coordination and cost allocation processes help interregional
transmission projects come to fruition? If so, please propose such metrics in as much
detail as possible. (Footnote omitted.)
Despite the benefits of large-scale interregional transmission, existing processes are not

leading to the development of interregional transmission plans or many actual high-voltage interregional transmission projects. 58 Lisa Barton of American Electric Power confirmed that “there
really has never been interregional planning.” 59 The limited impact of the current coordination
processes can be seen in PJM and MISO stating at their August 2021 interregional planning
update that “no drivers were identified to warrant a study of interregional reliability projects,
public policy projects or ad hoc studies.”60
Alison Silverstein, in her prepared remarks for this technical conference, explained the
important role that interregional transmission could have played in the February event in

Summer Reliability Assessment, NERC highlighted the risks of variable resources to a greater degree
than the impact of extreme weather on thermal resources, such as the widespread outages at natural gas
plants that occurred during the severe cold that occurred in Texas in February. See NERC, 2021 Summer
Reliability Assessment (May 2021) at 8 and 15, available at
https://www.nerc.com/pa/RAPA/ra/Reliability%20Assessments%20DL/NERC%20SRA%202021.pdf.
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See, e.g., June 1 Tr. at 3 (Silverstein); Unel at 13 (2020).
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June 1 Tr. at 89.
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PJM and MISO, Joint and Common Market Interregional Planning Update (August 24, 2021),
available at https://www.pjm.com/-/media/committees-groups/stakeholder-meetings/pjm-miso-jointcommon/2021/20210824/20210824-item-03-interregional-planning-update.ashx.
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ERCOT, noting that “had there been a full ERCOT grid collapse, transmission interconnection
could have provided black-start capability that was clearly lacking within ERCOT. And given the
high price of electricity within ERCOT during the four-day outage, imports over large
transmission interconnections to SPP, MISO and WECC could have paid for themselves.” 61 This
lesson about the value of interregional transmission is worth emphasizing.62
While not addressed in the questions for this proceeding, the PIOs are glad to see that
FERC raised these issues in the Transmission ANOPR. Interregional coordination must be
moved into the realm of required interregional transmission planning to prepare for the major
climate disruptions such as the extreme winter weather that caused so much chaos in ERCOT
earlier this year. But until that is accomplished, the PIOs agree that a set of uniform metrics
benefits could catalyze the development of interregional transmission projects and facilitate the
determination of cost allocation. As noted in a paper by the New York University’s Institute for
Policy Integrity:
FERC left to individual planning regions details such as which benefits to include and
decisionmaking criteria to employ, and allowed discretion in cost allocation methodologies
for different types of transmission projects. The resulting discrepancies created the potential
for situations in which an interregional project deemed cost-effective in one region is not
deemed cost-effective in the other.63

Therefore, the PIOs offer two initial possibilities for common benefits metrics of
interregional transmission that would be applicable to RTOs/ISOs for Commission
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Silverstein at 2-3 (2021).
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See also FERC-NERC Joint Staff Presentation (2021) Slide 28 notes recommending one additional area
of study as: “Additional links between the ERCOT Interconnection and Eastern, Western, and/or Mexico
Interconnections.”
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Unel at 13 (2020).
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consideration, and encourages the development of analogous metrics for non-RTO/ISO planning
regions:
• The capacity benefit of the interties as valued consistent with each RTO/ISO’s resource
adequacy framework and considered a benefit to the importing RTO/ISO for cost
allocation purposes.
• The reduction in load sheds resulting from transmission imports be incorporated into
probabilistic studies on a megawatt-for-megawatt basis, which could be valued based on
Value of Lost Load (VOLL), loss of load hours, and coincidence factors. (Coincidence
factors would reduce the benefit here, since neighboring RTOs might have emergencies
at the same time.) To the extent possible, each factor should be determined consistent
with the importing RTO’s existing market rules; e.g., VOLL should be no lower than the
highest possible scarcity price.
8.

Would having a target level of interregional transfer capacity help facilitate more
effective development of interregional transmission projects? Should minimum
amounts of interregional transmission transfer capability be required or encouraged as
a way to improve the resilience of the power system? If so, how should such minimums
be determined (e.g., a stated MW or percentage of load basis), and how specifically
should such minimum requirements be implemented (e.g., NERC reliability standards
or new tariff requirements)? (Footnote omitted.)
The PIOs agree that having a standard for interregional transmission capacity is essential

and recognize that there are multiple options for the development of such a standard. One option
would root such a standard in the existing practices and provisions for margins approved by the
Commission and mandated by NERC. There is precedent for such a standard in the two existing
categories of transmission that are set-aside to ensure system reliability: Capacity Benefit Margin
(CBM) and Transmission Reliability Margin (TRM). The TRM serves as a better analogy for an
extreme weather “resilience margin” because NERC requires each regional reliability
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organization to develop and document a regional TRM methodology in conjunction with its
members. The TRM is the identified and reserved transmission transfer capability that accounts
for the inherent uncertainty in system conditions and the need for operating flexibility to ensure
reliable system operation as system conditions change. The CBM and TRM categories are
reductions in the Total Transfer Capability that is available for routine use.
Alternatively, a new category of “resilience margin” could be implemented as a separate
and incremental amount to the CBM and TRM provisions. To avoid a reduction in the flow and
commercial use of the transmission system, a Commission directive for a resilience margin
should be an addition of physical transfer capacity to the installed system. This would be in the
form of interregional transmission as needed to address future reliability needs taking into
account resource locations, future demand projections, weather risks, and existing mitigation of
risks from demand response and distributed generation.
The PIOs also recognize Alison Silverstein’s point in her prepared remarks that “it would
be simpler to use a basic, arbitrary requirement like, ‘every region should have inter-regional
transmission capacity equal to 10% of its peak load, updated every 10 years’ which would yield
more rather than less interconnection.”64 PIOs would also consider that approach, but propose
that at least this standard should be updated more frequently to consider whether the percentage
of peak load should be revised and to ensure that it is reflective of more recent peak load
estimates, which could reduce its arbitrary nature.
9.

64

Multiple panelists at the conference suggested that the current reliance on the 1 day in
10-year Loss of Load Expectation is outmoded. Are there alternative resource
adequacy planning approaches that could be more robust alternatives to the use of the
1 day in 10-year Loss of Load Expectation standard? Please describe such
alternatives, including describing whether such alternatives have been used either in
the United States or elsewhere.
Silverstein at 8 (2021).
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Loss of Load Expectation (LOLE) measures the expected number of days per year when
insufficient supply is available to meet demand. While there is no single national standard or
metric for resource adequacy planning, many grid planners rely on the “1-in-10” reliability
standard. Typically, this is interpreted as a 1 day in 10 years (or 0.1 days per year) LOLE target,
although there is variation in how this standard is interpreted and applied. 65 This reliability target
is typically translated into a planning reserve margin, expressed as a percentage of peak
electricity demand. Typically, this translation is done through a statistical analysis that relies on
historical distributions of electricity demand and assumptions about generation availability. This
planning reserve margin is typically treated as a deterministic target for planning, against which
the capacity contributions of various resources are stacked up.
There are several key shortcomings with this approach. First, LOLE is a crude measure
of electricity system reliability, which ignores the extent, duration, timing and severity of loss of
load events. Second, historical demand distributions and the assumption of random, independent
generator outages are not appropriate given accelerating climate change and resulting severe
weather events. Third, the 1 day in 10 years target excludes any evaluation of the cost of outages
to the customers that experience them, differentiation across customers and end uses, or
consideration of distributed energy resources that may have substantial reliability value across a
range of scenarios. Finally, assessing the contribution of various resources to meeting a
deterministic planning reserve margin often rests on simplifying assumptions that can overstate
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For example, in some cases the 1-in-10 standard is interpreted as 1 loss of load event in 10 years or 24
loss of load hours in 10 years. See. e.g., Hogan, M. and David Littell, Get What You Need: Reclaiming
Consumer-Centric Resource Adequacy, Regulatory Assistance Project (2020), available at
https://www.raponline.org/knowledge-center/get-what-you-need-reclaiming-consumer-centric-resourceadequacy/.
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the contribution of thermal resources that are susceptible to correlated, common-mode failures.66

Additional Reliability Metrics
LOLE as a metric carries no information about the extent, duration or severity of outages
caused by a lack of available resources to meet electricity demand. 67 For instance, a single
outage that impacts 50 percent of electricity customers and lasts for 24 hours, and load shedding
that impacts fewer than 1 percent of customers for 2.4 hours each year would have the same
average LOLE over a 10-year period. Additional metrics, such as expected unserved energy
(EUE) and loss of load hours (LOLH) enable a better assessment of the risk associated with a
shortfall of resources to meet demand. However, all of these metrics are averages, which obscure
important information about the timing of reliability risk, as well as the full distribution of
reliability risks that may include unlikely but high consequence events. The temporal distribution
of EUE and Loss of Load Probability (LOLP) across the hours of a year can provide additional
information on the timing, duration and severity of outage risk, which can be useful in
determining the right portfolio of resources to address that outage risk. For instance, in MISO’s
recent Renewable Integration Impact Assessment analysis, the RTO looked at the temporal
profile of several reliability metrics to demonstrate the duration and timing of reliability risk
under increasing levels of renewable energy penetration.68 In addition, as discussed previously in
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See S. Murphy et al. (Jul. 2019).
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See Energy Systems Integration Group, Redefining Resource Adequacy for Modern Power Systems
(2021) available at https://www.esig.energy/wp-content/uploads/2021/08/ESIG-Redefining-ResourceAdequacy-2021.pdf; NERC, Probabilistic Adequacy and Measures: Technical Reference Report (2018),
available at
https://www.nerc.com/comm/PC/Probabilistic%20Assessment%20Working%20Group%20PAWG%20%
20Relat/Probabilistic%20Adequacy%20and%20Measures%20Report.pdf.
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See MISO, Renewable Integration Impact Assessment (RIIA): Summary Report (2021), available at
https://cdn.misoenergy.org/RIIA%20Summary%20Report520051.pdf
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these comments, scenario analysis may be useful in assessing the impact of unlikely but severe
events while highlighting resources or strategies that reduce risk across a range of scenarios.

Electricity Demand and Outage Distributions
Reliability analyses often assume thermal generation outages are randomly distributed, or
at least independent of whether outages are occurring at other plants. However, events like
ERCOT’s load shedding during winter storm Uri highlight the increasing importance of
correlated, common-mode outages of thermal power plants. 69 As climate change increases the
incidence of extreme weather and common-mode failures of plants (e.g., driven by extreme cold,
extreme heat, storms or wildfires, water availability), it is not appropriate to assume thermal
power plant outages are independent of weather conditions or other power plant outages. 70
Similarly, application of the 1 day in 10 year LOLE target typically relies on historical weather
and electricity demand distributions, which may not be reliable as climate change generates more
uncertainty in weather patterns.

Value of Reliability to Electricity Customers
Relying on the 1 day in 10-year LOLE target and consequent planning reserve margin
exclude an assessment of the value of reliability to electricity customers, how that value varies
across customer types and end uses of electricity, and how that value is affected by the extent
and duration of outage events. Some analyses have attempted to determine an economically
optimal reserve margin, based on an assessment of the VOLL and probabilistic simulations, and
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See, e.g., Gimon, Eric, Lessons from the Texas Big Freeze (2021), available at
https://energyinnovation.org/wp-content/uploads/2021/05/Lessons-from-the-Texas-Big-Freeze.pdf.
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See, e.g., S. Murphy et al. (Jul. 2019).
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these analyses typically find economically optimal reserve margins are lower than those based on
the 1 day in 10-year LOLE target.71 However, these studies rely on the assumption of constant
VOLL, as well as historical distributions of electricity demand and thermal generation outages
that may not be accurate with a changing climate. For example, the estimates of the VOLL vary
significantly across different types of electricity customers (e.g. residential, small commercial, or
large commercial and industrial), by duration and extent of outage, and by disruption of other
critical systems and services. 72 Moreover, the value of electricity system reliability depends in
part on the ability of distributed energy resources like microgrids, distributed generation and
storage, flexible demand and passive energy efficiency to maintain continuity of critical services,
back up important loads, and help customers and communities ride through grid disruptions
without significant cost. These types of economic trade-offs are absent from reliability analysis
that starts with the 1 day in 10-year standard.
In addition, electricity demand is increasingly controllable, flexible, and capable of
responding to price incentives, to the extent that market frameworks allow for demand
participation. Flexible, price-responsive demand can play a critical role in meeting reliability
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See, e.g., Brattle Group and Astrape Consulting, Resource Adequacy Requirements: Reliability and
Economic Implications (2013), https://www.ferc.gov/sites/default/files/2020-05/02-07-14-consultantreport.pdf and Newell et al, Estimation of the Market Equilibrium and Economically Optimal Reserve
Margins for the ERCOT Region: 2018 Update, Final Draft (2018),
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These factors are discussed in Astrape Consulting, The Economic Ramifications of Resource Adequacy
White Paper, prepared for EISPC and NARUC (2013), available at
https://pubs.naruc.org/pub.cfm?id=536DBE4A-2354-D714-5153-70FEAB9E1A87; Sanstad et al, Case
Studies of the Economic Impacts of Power Interruptions and Damage to Electricity System Infrastructure
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Research (2020), available at https://www.smartgrid.gov/files/documents/NREL_VOEMicrogridofResiliency_Report_Digital-012821.pdf; and NREL, Valuing Resilience in Electricity Systems
(2019), https://www.nrel.gov/docs/fy19osti/74673.pdf.

27

needs of the grid, but is often underutilized as a reliability resource. In the long run, priceresponsive demand should be able to participate in market price formation for reliability services,
forming a real demand side of the market, rather than relying on administrative constructs that
assume the value demand places on reliability. 73
Ultimately, reasoned decision-making on investments to prevent or reduce outages rests
on an understanding of the costs of outages, both economic and to human health and safety. For
example, it may well be that the same number of MWh of unserved load spread out over a wide
area during temperate weather is less impactful than if concentrated in a small region during
extreme temperature conditions. State authorities and other retail regulators are best positioned to
develop this understanding, as they are the best informed about local conditions, can reasonably
be expected to coordinate with other state agencies responsible for emergency response, and
have the authority to make decisions about what their ratepayers are willing to pay. Any
proposed Commission mandates to develop additional reliability metrics should, to the maximum
extent possible, incorporate the variable impact of outages under different conditions and provide
ample opportunity for retail regulators to establish the metrics and risks most important to the
populations they serve.

Contribution of Resources to a Deterministic Reserve Margin
The 1 day in 10-year LOLE target is typically converted to a deterministic planning
reserve margin, which indicates the amount of additional capacity, above expected peak demand,
that would be needed to meet the 1 day in 10-year standard. Each resource’s contribution to the
aggregate resource adequacy need is then assessed. However, this approach has significant
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See Hogan, M. and David Littell (2020).
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shortcomings. First, it obscures the timing and profile of reliability risks across hours of the day
and days of the year. Increasing extreme weather events and greater dependence on variable
renewable resources can shift reliability risk from typical peak periods to other times of the day
and year, and peak load plus planning reserve margin may not be an accurate characterization of
a system’s reliability need. In addition, the contribution of various resources is determined
through a range of approaches. For instance, the contribution of variable renewable energy
resources like wind and solar, as well as energy-limited storage resources to meeting system
reliability needs, are increasingly assessed using probabilistic ELCC calculations. However, the
capacity contributions of many thermal resources are often evaluated in terms of total installed
capacity, or unforced capacity assuming randomly distributed and independent forced outages.
As discussed above, thermal power plant outages are weather-dependent, and extreme weather
events can lead to correlated failures of plants that share a common vulnerability (e.g. fuel or
cooling water supply). Applying probabilistic approaches like ELCC to thermal resources, as
well as more robust scenario analysis of high impact events, can account for these vulnerabilities.
Finally, electricity system resources are part of a portfolio, and when one resource is
underperforming, another may be taking up the slack. Electricity system planning is increasingly
tasked with assembling portfolios of resources - including dispatchable generation, variable
renewable energy sources, energy storage, transmission, demand-side flexibility, passive energy
efficiency, and distributed energy resources - that perform reliably under a wide range of
conditions, while serving to mitigate damages during extreme disruptions like those experienced
in Texas in February 2021.

Principles for Resource Adequacy Planning and Analysis
The Energy Systems Integration Group (ESIG)’s “Redefining Resource Adequacy for
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Modern Power Systems”74 reflects many of the concerns above and provides six principles
which serve as a useful guide for evolving resource adequacy planning to address these issues.75
PIOs state these principles in full below and urge the Commission to take them into account
when determining an appropriate future resource adequacy standard. However, before
summarizing those principles, we offer our own first principle, which is that human life is
paramount. Recent events have demonstrated that under some circumstances, power
interruptions can cause loss of life. Current planning often fails to account for these life-altering
consequences. Future resource adequacy planning, especially scenario planning concerned with
extreme conditions, should explicitly identify resource adequacy risks that place human life in
peril. Equity demands that those risks be addressed in a manner that treats all communities
equally, regardless of their economic condition. While lethal risk may be unavoidable, it must
not be allocated based on economic considerations.
The six ESIG principles are:
Principle 1: Quantifying size, frequency, duration, and timing of capacity shortfalls is
critical to finding the right resource solutions. Current metrics, like loss of load expectation
(LOLE), are inadequate to capture the magnitude, duration, and distribution of shortfalls, failing
to differentiate between events with very different impacts on consumers and requiring different
mitigation options. Planners need to extract more information and detail from existing metrics.
Future resource adequacy analysis should move beyond averages and provide information on the
distribution of individual events, including high impact, low probability tail events.
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As summarized in ESIG, Keeping the Lights On: Redefining Resource Adequacy for Modern Power
Systems - Fact Sheet (2021), available at https://www.esig.energy/download/redefining-resourceadequacy-for-modern-power-systems-fact-sheet/.
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Principle 2: Chronological operations must be modeled across many weather years. Many
years of synchronized hourly weather and load data are necessary to understand correlations
between year-to-year variability in wind and solar generation, system outages, and load. Data on
chronological operations and scheduling will help to ensure that energy-limited resources—such
as storage and demand response—can effectively support the system through reliability
challenges.
Principle 3: There is no such thing as perfect capacity. Natural gas combustion turbines
have traditionally been seen as a near-perfect capacity resource, a one-size-fits-all approach.
However, this assumes that combustion turbines and similar fossil technologies are available on
demand, when in fact drought, extreme temperatures, and other conditions can force reduced
operations. Future resource adequacy analysis should explicitly recognize that all resources have
limitations based on weather-dependence, potential for outages, flexibility constraints, and
common points of failure. Likewise, different resources offer distinct contributions to reliability,
whether battery storage, load flexibility, load-shed demand response programs, fossil generation,
long-duration storage, or coordination with neighboring grids.
Principle 4: Load participation fundamentally changes the resource adequacy construct.
Traditionally, load has been treated as static, rather than increasingly flexible, price responsive,
and intelligent. The proliferation of energy storage, demand response, electric vehicles, and
dynamic rate design bring with them new options for load flexibility, and these flexible loads
should be evaluated in a similar context as generation resources. Beyond their operational value,
such load flexibility tools provide important information on the VOLL, and the Commission
should encourage approaches that allow for discovery of VOLL and consumers’ willingness to
pay to avoid interruption. This economic data can aid in determining efficient levels of resource
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adequacy investment, constrained by the need to equitably address safety risks.
Principle 5: Neighboring grids and transmission should be modeled as capacity resources.
The prevailing orientation toward self-reliance can lead to a potentially large, expensive
overbuild of capacity. Resource-sharing, in contrast, offers an important low-cost alternative to
procuring new resources. The benefits of sharing between neighboring grids include staggered
peak demand, more consistent renewable generation, less chance of simultaneous outages, and
less chance of outages caused by fuel shortages. Transmission is key to unlocking this economic
opportunity and its benefits for resource adequacy should be clearly identified in long-term
planning.
Principle 6: Reliability criteria should be transparent and economic. Traditional resource
adequacy analysis typically has not assessed the cost of achieving a given level of reliability.
However, the current lack of transparency around the costs of different approaches to reliability
makes it impossible to perform a rigorous cost-benefit analysis. Grid planners and regulators
need a clear understanding of the costs associated with achieving different reliability targets in
different ways, to ensure that the value provided to the customer is worth the cost of a given
investment.
III.

CONCLUSION
For the foregoing reasons, Natural Resources Defense Council, Rocky Mountain

Institute, Sierra Club, Sustainable FERC Project, and Union of Concerned Scientists respectfully
request that the Commission consider these comments and move forward to address this critical
issue.

32

Respectfully submitted,
Tom Rutigliano
Senior Advocate
Natural Resources Defense Council
1152 15th Street NW, Suite 300
Washington, D.C. 20005
trutigliano@nrdc.org
On behalf of Natural Resources Defense Council
Greg Wannier
Staff Attorney
Sierra Club Environmental Law Program
2101 Webster St., Suite 1300
Oakland, CA 94612
greg.wannier@sierraclub.org
On behalf of Sierra Club
John Moore
Director and Senior Attorney
Elise Caplan
Consultant
Sustainable FERC Project
20 North Wacker Drive, Suite 1600
Chicago, IL 60606
moore.fercproject@gmail.com
ecaplan@eliseenergy.com
On behalf of Sustainable FERC Project
Sam Gomberg
Senior Energy Analyst
Union of Concerned Scientists
1825 K Street NW #800
Washington, DC 20006
sgomberg@ucsusa.org
On behalf of Union of Concerned Scientists

Dated: September 27, 2021
Comments of Public Interest Organizations

